Abstract: The geological storage of CO 2 in deep saline formations is increasing seen as a viable strategy to reduce the release of greenhouse gases into the atmosphere. However, costs of capture and compression of CO 2 from industrial waste streams containing small quantities of sulfur and nitrogen compounds such as SO 2 , H 2 S and N 2 are very expensive. Therefore, studies on the co-injection of CO 2 containing other acid gases from industrial emissions are very important. In this paper, numerical simulations were performed to study the co-injection of H 2 S with CO 2 in sandstone and carbonate formations. Results indicate that the preferential dissolution of H 2 S gas (compared with CO 2 gas) into formation water results in the delayed breakthrough of H 2 S gas.
Global emissions of greenhouse gases (GHG) especially carbon dioxide (CO 2 ) have increased rapidly and led to global climate change and ocean acidification with severe consequences for ecosystems and for human society [Holloway, 2001; West et al., 2005] . Thus, reducing the concentration of CO 2 in the atmosphere is very important to the mitigation of global climate change. Currently, research on CO 2 geological storage as a possible method for reducing the emission of CO 2 from industrial point sources is being extensively carried out [Gentzis, 2000; Holloway, 2005; Gough, 2008] . The main geologic formations include depleted or depleting oil and gas reservoirs, un-mineable coal seams, and deep saline formations [Bachu et al., 1994; Hitchon et al., 1999] . Injecting CO 2 into saline formations in sedimentary basins is one of the most promising methods of CO 2 geological storage for the long-term sequestration of the gas. This is because saline formations are ubiquitous to sedimentary basins [Hitchon et al., 1999; Gunter et al., 2000; Izgec et al., 2008] , they have enough capacity to store large amounts of CO 2 from anthropogenic emissions, and there are short distances between most large CO 2 point sources and saline formations, which can minimize CO 2 transportation costs [Soong et al., 2004; Allen et al., 2005; Zerai et al., 2006] .
The fate of minor quantities of sulfur and nitrogen compounds during combustion or gasification of coal is of considerable interest, as their release into the atmosphere leads to the formation of urban ozone and acid rain, the destruction of stratospheric ozone, and global warming. Coal also contains many trace elements that are potentially hazardous to human health and the environment, such as mercury and arsenic, and their release into the atmosphere is restricted under the Clean Air Act Amendments (CAAA) of 1990. Studies indicated that costs of capture and compression of CO 2 from flue gas or a coal gasification process are very high, accounting for 75% of the total cost of a geological storage process [Knauss et al., 2005] .
Therefore it may be economically advantageous to sequester/store CO 2 with these constituents in deep geological formations [Knauss et al., 2005; Bachu et al., 2009a; Ellis et al., 2009; Xiao et al., 2009; Crandell et al., 2010] . In this study, we evaluate the co-injection of hydrogen sulphide (H 2 S) with CO 2 .
In order to reduce emissions of produced H 2 S and CO 2 as byproducts of sour gas processing, a total of more than 40 active acid-gas injection projects were performed in the Alberta Basin of Canada to the end of 2003 [Bachu and Gunter, 2005] . The acid gas can be injected as solution or dense fluid (liquid or supercritical). The injected gas composition varies from 83% H 2 S and 14% CO 2 to 2% H 2 S and 95% CO 2 for different storage sites . Since the first acid-gas injection operation in a depleted sandstone oil reservoir on the outskirts of Edmonton began in 1989, no leakage or other safety problems have been reported [Bachu and Gunter, 2004; Machel, 2005] . At the end of 2003, a total of about 2 Mt H 2 S and 2.5 Mt CO 2 were injected in deep saline formations, and depleted oil or gas reservoirs, for all storage sites in western Canada, at average rates that vary between 1×10 3 and 500×10 3 m 3 /day [Bachu and Gunter, 2005; . The success of these acid-gas injection projects in Canada and the U.S.A [Bachu et al., 2009b] indicate that the co-injection of H 2 S and CO 2 in geological media is a mature and safe technology.
The acid gases from natural gas production contain 2-84 vol. % H 2 S, but most coals contain no more than 5 wt. % sulfur. Therefore, the concentration of H 2 S in CO 2 from the integrated gas combined cycle (IGCC) plants is unlikely to exceed 1.5 vol. % [Gunter et al., 2000; Xu et al., 2007] .
In order to better understand the multiphase fluid transport and geochemical reactions during 4 the co-injection process of acid gases. Some laboratory experiments have been conducted for a short time. Bachu et al. [2009a; 2009b] showed that the co-injection, compared to the CO 2 injection only, does not significantly affect pH distribution, mineral alteration, and CO 2 mineral trapping. The main difference is precipitation of pyrite in the co-injection case.
Some of previous reactive transport modeling [e.g., Xu et al., 2007; Xiao et al., 2009 ] are limited in that only CO 2 can be injected in the gaseous state. Therefore, co-injection of brines carrying dissolved H 2 S was used for expediency. The consequences of this artifact on the model results, especially in relation to CO 2 sequestration, are relatively minor because injection occurs only in the early time, much shorter than the simulation time (in the order of 1,000 years).
In this paper, fluid flow modeling capabilities for injection of anhydrous supercritical CO 2 containing H 2 S gas are employed due to the improvement of a version of TOUGHREACT (see more details in Section 2.1). We performed two-dimensional (2-D) radial flow modeling to study co-injection of H 2 S with CO 2 in sandstone and carbonate formations. The 2-D radial flow model used here allows us to study buoyancy forces that would tend to drive the gas mixture towards the top of the formation, which cannot be demonstrated by the previous 1-D well models [e.g., Xu et al., 2007] . Compared to Xu et al. [2007] , this paper is a significant step forward on modeling of injection of H 2 S with CO 2 and subsequent fate and transport. The simulation results can be used to evaluate the behavior and effect of impurity-H 2 S in the CO 2 stream and their performance during the injection and storage period.
6 2 Numerical approaches
Numerical tool
The present simulations employed the non-isothermal multiphase reactive geochemical transport code TOUGHREACT [Xu and Pruess, 2001; Xu et al., 2006] , which is developed by introducing reactive chemistry into the multiphase fluid and heat flow code TOUGH2 [Pruess et al., 1999 [Pruess et al., , 2004 ]. An improved version [Battistelli, 2008] of the TMVOC simulator [Pruess and Battistelli, 2002] was linked to TOUGHREACT, resulting in an acid gas injection simulator (Xu, unpublished The numerical method for solving fluid flow and chemical transport is based on an integral finite difference (IFD) method for space-discretization [Narasimhan and Whiterspoon, 1976] . The IFD method provides flexible discretization of geologic media by allowing the use of irregular grids, which is well suited for simulation of flow, transport, and fluid-rock interaction in heterogeneous and fracture rock systems with varying petrology. For regular grids, the IFD method is equivalent to the Conventional Finite Difference method. An implicit time-weighting scheme is used for the flow, transport and kinetic geochemical equations. TOUGHREACT uses a sequential iteration approach similar to that described by Yeh and Tripathi [1991] . 
Model setup
Much specific and detailed information is required to assess the feasibility of the acid-gas injection and to develop engineering designs for the injection systems. Before conducting site-specific investigations, general features and issues relating to the injected formation should be explored. This can be done by extracting the site-specific features and representing characteristics.
Increases in geological and geometric complexities can increase the difficulty of identifying the dominant geochemical processes. Therefore, a simple two-dimensional (2-D) radial well model was used in this study. The 2-D model was a homogeneous formation of 50 m thickness with a 8 cylindrical geometrical configuration (Figure 1 ). In the vertical direction, 25 model layers were used with a constant spacing of 2 m. In the horizontal direction, a radial distance of 100 km was modeled with a radial grid spacing that increases gradually away from the injection well. A total of 50 radial grid elements were used. The volume of the outer grid element is specified a large value of 10 30 m 3 , representing an infinitive lateral boundary. CO 2 only or CO 2 containing H 2 S injection was applied at the bottom portion of the well (the thickness of the injection portion is 20 m). Injection of acid gases was applied for a period of 10 years, using a CO 2 injection rate of 2 kg/s (~0.063 Mt/yr) for the CO 2 only case, or using a CO 2 injection rate of 1.9 kg/s (~0.06 Mt/yr) and a H 2 S injection rate of 0.1 kg/s (~0.003 Mt/yr) for the co-injection case. The fluid flow and geochemical transport simulation was run for a period of 500 years, which may be a relevant time scale of interests for geological sequestration of acid gases.
We used the same hydrogeological parameters as those used in the research in the Songliao Basin of China [Zhang et al., 2009] , which is listed in 
Simulations
As shown in Table 1 , a total of four groups of numerical simulations were performed with different combinations of injection scenario and rock type. The purpose is to investigate the effect of additional H 2 S injected with CO 2 in different rock-types (e.g., sandstone and carbonate) on the geochemical changes (aqueous composition, and mineral dissolution and precipitation), fate and transport of injected CO 2 and H 2 S gases.
10 3 Results and discussion
Sandstone formation
Figure 2 shows that CO 2 and H 2 S gases (supercritical) injected at the bottom of the deep saline formation migrate upward rapidly by buoyancy forces. Mass fraction of CO 2 at the advancing gas front is higher (Figures 2a and 2b) . The front of H 2 S gas is behind that of CO 2 gas (Figures 2c and   2d ). This is due to the preferential solubility of H 2 S in formation water compared with that of CO 2 , which induces the delayed breakthrough of H 2 S gas, the separation between CO 2 and H 2 S gases, and suppressed H 2 S concentrations in formation water at the advancing gas front [Bachu et al., 2009a [Bachu et al., , 2009b Bachu and Bennion, 2009] . Figure 3 shows the spatial distribution of total dissolved sulfur (TDSu) and carbon (TDC) in the sandstone formation. There is a greater concentration of TDSu in the interior of the gas plume, corresponding to the higher H 2 S mass fraction in the gas phase than that in the other region.
In order to better understand the relationship among the concentration of TDC and TDSu, the mass fraction of CO 2 and H 2 S in the gas phase, and the partial pressure of CO 2 and H 2 S, we plot their changes with time based on a point A in the model, which lies in the two-phase zone where CO 2 gas and aqueous phases coexist (see Figure 2b ). Figure 4 reveals that when the injected CO 2 gas reaches the point A, the mass fraction of CO 2 in the gas phase is higher than that in the initial gases injected (0.95, namely the dash-dot-dot line in Figure 4a ). The temporal evolution of mass fraction of CO 2 and H 2 S indicates CO 2 reaches the point A faster than H 2 S. This is due to the preferential dissolution of H 2 S compared with CO 2 .
Trends in concentrations of TDC in the CO 2 containing H 2 S and CO 2 only cases, and TDSu in the co-injection case are generally similar to variations in partial pressures of CO 2 and H 2 S. Trend in concentrations of TDC is opposite to that of TDSu after the gases reach this point. As expected the concentration of TDC in the co-injection case is lower than that in the CO 2 alone case. These indicate again the preferential dissolution of H 2 S gas reduces the potential and capacity for the dissolution of the injected CO 2 gas in formation water. However, with the decrease in TDSu concentration caused by the decrease in H 2 S partial pressure, the solubility of CO 2 in formation water will gradually increase. Precipitation of ankerite requires Ca 2+ provided by dissolution of calcite (CaCO 3 ) (Figure 5d ). In the case of co-injection of H 2 S, pyrite precipitation occurs in the two-phase zone, and ankerite precipitation occurs in the aqueous phase zone. This is because the pH in the two-phase zone is lower than that in the aqueous phase zone (Figure 6b ), and pyrite is stable under relatively low pH conditions.
Dissolution of CO
Dissolution of chlorite in the CO 2 only case (Figure 7a ) is similar to that in the CO 2 containing H 2 S case (Figure 5a ). Due to the amount of precipitated ankerite in the co-injection case ( Figure   5b ) is lower than that in the CO 2 only case (Figure 7b ), the abundance of dissolved calcite in the former case (Figure 5d ) is also lower than that in the later case (Figure 7c ). In the CO 2 alone case, the CO 2 mineral trapping (Figure 7d ) is greater than those in the CO 2 containing H 2 S case. This is because the precipitation of pyrite suppresses the precipitation of Fe-bearing carbonate minerals such as ankerite.
Note that due to the mineral trapping of CO 2 is a slow process, there is no significant increase 12 in mineral trapping amount compared with the gas and solubility trapping mechanisms under the present mineralogical composition. Therefore, we only investigate changes in gas, and aqueous+solid phases for different cases, respectively. Temporal changes in fractions of injected CO 2 trapped in gas, and aqueous and solid phases obtained from cases of CO 2 containing H 2 S and CO 2 only in sandstone formations (Figure 8 ) confirms that preferential dissolution of H 2 S can suppress CO 2 dissolution.
The 1-D simulation results from Xu et al. [2007] indicated that additional injection of H 2 S causes more pyrite precipitation than the CO 2 only case. And compared to the CO 2 alone case, precipitation of pyrite in the low-pH region for the case of H 2 S co-injection reduces ankerite precipitation in this zone. These modeling results are in agreement with our 2-D study. However, due to constraints of the previous version of TOUGHREACT, the injected H 2 S is assumed as aqueous phase. The acid gas injection simulator used in current study can model both CO 2 and H 2 S in gaseous state. The higher solubility of H 2 S gas in formation water than CO 2 , affects the fate and transport of injected CO 2 and H 2 S gases, including the delayed breakthrough of H 2 S, the separation between the two gases, and suppressed H 2 S concentrations in formation water at the advancing gas front. These were not be obtained from the study of Xu et al. [2007] because injected H 2 S is in the aqueous phase. Compared to the previous 1-D model [e.g., Knauss et al., 2005; Xu et al., 2007; Bachu and Bennion, 2009; and Bachu et al., 2009b] , the current 2-D radial flow model allows us to study buoyancy forces that would tend to drive the gas mixture towards the top of the formation, to track transport and dissolution of CO 2 and H 2 S at the front of the gas plume, to investigate variations of physical and chemical processes over vertical cross-section. Figure 9a shows that decrease of H 2 S amount in the gas phase for the carbonate (with siderite)
formation is more significant than that for the sandstone formation. This is because dissolution of siderite available in carbonate (Figure 10a ) is faster than that of chlorite available in sandstone, accelerating precipitation of pyrite ( Figure 10b ) and driving more H 2 S dissolution (Figures 11a   and 11b ) into formation water. The predicted precipitation of pyrite is consistent with the experiment results reported by Gunter et al. [2005] . As expected, the decrease in TDSu concentration (Figures 12a and 12b ) induced by the decrease in H 2 S partial pressure should enhance the more CO 2 dissolution due to the increasing contact between CO 2 gas and formation water (Figures 11c and 11d ). However, Figure 9b indicates that decrease in CO 2 gas in the carbonate foramtion is less than that in the sandstone formation. This is because dissolution of carbonates such as dolomite ( Figure 10c ) and siderite increases the concentration of total dissolved carbon in formation water, which can suppress the CO 2 dissolution. Some amounts of calcite precipitate (Figure 10d ), and ankerite precipitation is limited.
Some typical carbonate formations do not have siderite. Therefore, we performed a sensitivity simulation to investigate the effect of co-injection of CO 2 containing H 2 S in a no Fe-bearing carbonate formation. Figure 9a shows that dissolution of H 2 S in the carbonate (without siderite) formation is much less than that in sandstone and carbonate formations. Temporal changes of H 2 S gas in this case confirm again that dissolution of Fe-bearing minerals such as chlorite and siderite has a strong impact on reduction of H 2 S in the gas phase because of formation of pyrite.
As expected, the significant decrease of H 2 S amount in the gas phase for the carbonate (with siderite) formation should enhance CO 2 dissolution (compared to the carbonate case without siderite). However, temporal changes of CO 2 gas for two cases in carbonate formations do not 14 have a significant difference (Figure 9b ). This should be because the siderite dissolution in the carbonate case provides Fe 2+ to precipitation of pyrite, and increases the concentration of TDC in formation water, which can inhibit the dissolution of CO 2 gas. Changes in dolomite and calcite volume fractions (Figure 13 ) in this case are similar to the previous case with siderite ( Figure 10 ). (1) The preferential dissolution of H 2 S gas into formation water (compared with CO 2 gas) results in the delayed breakthrough of H 2 S gas, and the separation between CO 2 and H 2 S gases at the moving front. Injected CO 2 gas moves faster than H 2 S gas. More H 2 S contains in the interior of the gas plume.
(2) Co-injection of H 2 S reduces CO 2 solubility in comparison with CO 2 only case. However, the preferential dissolution of H 2 S can enhance CO 2 dissolution at the gas moving front. of modeling results can provide useful insight into the spatial and temporal evolution of injected CO 2 and H 2 S, and associated formation alteration in typical sandstone and carbonate formations, and better understand the behavior and effect of impurity-H 2 S in the CO 2 stream.
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Appendix A: hydrogeological parameters, and mineral and water chemical compositions
In the present paper, we used the same hydrogeological parameters (Table A1) as those used in the research in the Songliao Basin of China [Zhang et al., 2009] . Two types of (initial) mineralogical compositions (Table A2) were used, sandstone from Zhang et al. [2009] and carbonate from Zerai et al. [2006] . The initial aqueous solution compositions (Table A3) for different mineralogical compositions were obtained by batch geochemical modeling.
Appendix B: kinetic rate law for mineral dissolution and precipitation
A general kinetic rate law for mineral dissolution and precipitation is used Steefel and Lasaga., 1994] ( ) 1
where m is the kinetic mineral index, r m is the dissolution/precipitation rate (positive values indicate dissolution, negative values indicate precipitation), k(T) m is the rate constant depending on the temperature (mol/m 2 s), T is the absolute temperature, A m is the specific reactive surface area per kg water, K m is the equilibrium constant for the mineral-water reaction written for the destruction of one mole of mineral m, and Q m is the corresponding ion activity product. The parameters θ and η are two positive numbers determined by experiments; usually, but not always, they are taken to be equal to 1 (like in the present work).
For many minerals the kinetic rate constant k(T) can be summed from three mechanisms Palandri and Kharaka., 2004 
where superscripts and subscripts nu, H, and OH indicate neutral, acid and base mechanisms, respectively, E a is the activation energy, k 25 is the rate constant at 25 °C, R is the gas constant (8.31 J/mol K), and T is the absolute temperature, α is the activity of the species, and n is a power term (constant). Notice that parameters θ and η (see equation (B.1)) are assumed to be the same for each mechanism. For all minerals it is assumed that the precipitation rate equals the dissolution rate.
Appendix C: parameters for calculating kinetic rate of minerals in the modeling studies
Parameters for calculating kinetic rate of minerals are given in Table C .1. Calcite and anhydrite were assumed to react with aqueous species at local equilibrium because their reaction rates are typically quite rapid. The dissolution and precipitation of other minerals are kinetically controlled.
Rate law parameters for kaolinite, illite, chlorite, albite-low, oligoclase, K-feldspar, magnesite, and dolomite were taken from Palandri and Kharaka [2004] , who compiled and fitted experimental data reported by many investigators. The detailed list of the original data sources is given in Palandri and Kharaka [2004] . Chalcedony kinetic data were referred to Tester et al. [1994] . Illite kinetic data was set to those of smectite. Siderite kinetic data were from Steefel [2001] . Ankerite and dawsonite kinetic data were set to those of siderite.
Mineral reactive-surface areas (the second column of Table C .1) are based on the work of Sonnenthal et al. [2005] , and were calculated assuming a cubic array of truncated spheres constituting the rock framework. The larger surface areas for clay minerals (kaolinite, illite and smectite) are due to smaller grain sizes. In conformity with White and Peterson [1990] and Zerai et al. [2006] , a surface roughness factor of 10 is incorporated and defined as the ratio of the true (BET) surface area to the equivalent geometric surface area. Interaction with the minerals is generally expected to occur only at selective sites of the mineral surface, and the actual reactive surface area could be between one and three orders of magnitude less than the surface roughness-based surface area [Lasaga., 1995; Zerai et al., 2006] . The difference is attributed to the fact that only part of the mineral surface is involved in the reaction due to coating or armoring, a small area exposed to the brine, and channeling of the reactive fluid flow. To account for these effects, the actual reactive surface areas given in Table C .1 are decreased by two orders of magnitude from the surface roughness-based surface areas. The reactive surface areas used here for most minerals are similar to those of Zerai et al., [2006] , who used a surface area of 10 cm 2 /g for all minerals.
If the aqueous phase supersaturates with respect to a potential secondary mineral, a small volume faction such as 110 -6 is used for calculating the seed surface area for the new phase to grow. The precipitation of secondary minerals is represented using the same kinetic expression as that for dissolution. However, because precipitation rate data for most minerals are unavailable, parameters for neutral pH rates only, as given in Table C .1, were employed to describe precipitation. Multiple kinetic mechanisms for precipitation can be specified in an input file of the TOUGHREACT program, should such information become available.
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